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1.  Introduction 
 

Transmission congestion occurs when there is insufficient transmission capacity to 
simultaneously accommodate all requests for transmission service within a region. 
Historically, vertically integrated utilities managed this condition by constraining the 
economic dispatch of generators with the objective of ensuring security and reliability of 
their own and/or neighboring systems. Electric power industry restructuring has moved 
generation investment and operations decisions into the competitive market but has left 
transmission as a communal resource in the regulated environment. This mixing of 
competitive generation and regulated transmission makes congestion management 
difficult. The difficulty is compounded by increases in the amount of congestion resulting 
from increased commercial transactions and the relative decline in the amount of 
transmission. Transmission capacity, relative to peak load, has been declining in all 
regions of the U.S. for over a decade. This decline is expected to continue.  
 
Congestion management schemes used today have negative impacts on energy 
markets, such as disruptions and monetary penalties, under some conditions. To 
mitigate these concerns various congestion management methods have been 
proposed, including redispatch and curtailment of scheduled energy transmission. In the 
restructured electric energy industry environment, new congestion management 
approaches are being developed that strive to achieve the desired degree of reliability 
while supporting competition in the bulk power market. 
 
This report first presents an overview and background on key issues and emerging 
approaches to congestion management. It goes on to identify and describe policies 
affecting congestion management that are favored and/or are now being considered by 
FERC, NERC, and one of the regional reliability councils (WSCC). It reviews the 
operational procedures in use or proposed by three of the leading independent system 
operators (ISOs) including ERCOT, California ISO, and PJM. Finally, it presents 
recommendations for evaluating the competing alternative approaches and developing 
metrics to use in such evaluations. 
 
As with any report concerning electricity restructuring, specific details quickly become 
dated.  Individual utilities, states and regions will inevitably change rules and procedures 
even during the time it takes to publish a report.  Hopefully, the general conclusions are 
more robust and this report will continue to have value even after some of the specific 
details have changed. 
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2.  Background 
 
2.1 The Importance of Congestion Management 

 
Transmission congestion has a specific meaning for electrical systems.  It can be 
defined as the condition where desired transmission line-flows exceed reliability limits.  
Following this definition, congestion management can be defined as the actions taken to 
avoid or relieve congestion.  More broadly, congestion management can be considered 
any systematic approach used in scheduling and matching generation and loads in 
order to manage congestion. 
 
Fig. 2.1: NERC’s 10 regional councils cover the 48 contiguous states, most of Canada, and a 
portion of Mexico. 

 
 

An overview of the North American transmission network provides a starting point for 
understanding congestion management issues.  The North American electric system is 
divided into three Interconnections (see Figure 2.1): the Western Interconnection 
(Western Systems Coordinating Council [WSCC]), the Electric Reliability Council of 
Texas (ERCOT, which covers most of Texas), and the Eastern Interconnection (all 
Reliability Councils except WSCC and ERCOT).  Within each Interconnection, all the 
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generators operate at the same frequency as essentially one machine connected to 
each other and to loads primarily by AC lines. The Interconnections are connected to 
each other by a few DC links. Because these DC connections are limited, the flows of 
electricity and markets are much greater within each Interconnection than between 
Interconnections. 
 
Within each Interconnection the fundamental entity responsible for maintaining bulk-
power reliability (and therefore congestion management) is the control area. NERC 
defines control areas as: "An electric system or systems, bounded by interconnection 
metering and telemetry, capable of controlling generation to maintain its interchange 
schedule with other Control Areas and contributing to frequency regulation of the 
Interconnection." (NERC 2001a) Control areas are linked to one another to form 
Interconnections. Each control area seeks to minimize any adverse effect it might have 
on other control areas within the Interconnection by (1) matching its schedules with 
other control areas (i.e., how well it matches its generation plus net incoming scheduled 
flows to its loads) and (2) helping the Interconnection to maintain frequency at its 
scheduled value (nominally 60 Hz). 

��������������������
����������

����������
����������
����������

����������
��������������������

��������������������
������������������������������

����������
����������
����������

�����������������������������������������������������
�������������������������������������������

��������������������������������������������
��������������������������������������������

TXLines

0

50

100

150

200

250

300

350

400

450

500

1989 1991 1993 1995 1997 1999 2001 2003 2005 2007 2009

TR
A

N
SM

IS
SI

O
N

 (M
W

-m
ile

s/
M

W
 d

em
an

d) WSCC�����������
�����������MAPP

ECAR

TOTAL

SERC*

SPP*

ERCOT

NPCC

MAIN

FRCC

MAAC

 
     Fig. 2.2. Transmission congestion is aggravated by the fact that transmission capacity relative 

to peak load has declined in every region of the U.S. for the past ten years and is 
expected to continue declining for the next ten. 

 
Today's approximately 150 control areas are operated primarily by utilities, although a 
few are run by ISOs. Control areas vary enormously in size, with several managing less 
than 100 MW of generation and, at the other end of the spectrum, PJM (Pennsylvania-
New Jersey-Maryland Interconnection), California ISO, and ERCOT each managing 
about 50,000 MW of generation. Control areas are grouped into regional reliability 
councils, of which there are 10 in North America. These reliability regions, in turn, are 
parts of the three Interconnections.  
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Figure 2.2 provides one indication of the growing importance of congestion 
management.  As this figure indicates, transmission capacity relative to peak load has 
been declining and will continue to decline for every region in the U.S. 

 

2.2 Economic Implications of Congestion Management 
 
The first responsibility of the transmission System Operator (SO), whether it is a large 
ISO or a small utility control area, is to maintain system reliability.  This involves 
developing generation and load schedules that can be balanced in real time.  The SO 
must make sure that the scheduled flows do not exceed a maximum for any link on the 
system.  Scheduling generators and loads must carefully consider any transmission link 
that could potentially become constrained.  This consideration includes not only the 
current flows on the system’s lines and equipment, but it also must consider the post-
contingency capacity.  For any link the transmission system must provide enough 
capacity that any single contingency within the system (and any credible multiple 
contingency) could be handled. 
 

 

 
Fig. 2.3.  Power flow with no constraints 

 
Although the transmission system operates according to the physical laws of power 
flow, the economic implications for congestion management are equally important.  
Transmission congestion can be easily managed by curtailing generators and loads.  
However, arbitrarily restricting generators and loads can have significant economic 
costs.  Figures 2.3 and 2.4 portray an example of why this is the case. 
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Fig. 2.4.  Power flow with constraints 

 
In Figure 2.3, there is no congestion.  The 200 MW load can be served with available 
power at $20 per MWH.  However, in Figure 2.4, while the same generation source 
offers power at $20 per MWH, the available transfer capability has been reduced to 150 
MW, less than the desired transfer of 200 MW.  Now the remaining 50 MW of power 
must be transferred over a different facility and purchased from a second generator that 
charges $40 per MWH.  Thus for the 50 MW increment, the cost of power purchased by 
the customer has doubled.  The average cost to the customer for 200 MWH has 
increased from $4,000 to $5,000 or by 25%. 
 
This example illustrates why transmission congestion is potentially important from an 
economic standpoint.  While, the principle is simple, the balancing of reliability and 
commercial interests can be complex in the detail.  In order to schedule transmission 
services reliably and economically, the SO must understand the available transfer 
capability (ATC) as defined by physical capacities and the scheduled flows.  If the ATC 
is over-estimated, then real-time congestion could result in reducing system reliability 
below acceptable levels.  On the other hand, if the ATC is under estimated, then 
economic exchanges are potentially foregone.  For instance, if the actual ATC in   
Figure 2.4 is 200 MW, while the SO has limited its use to 150 MW, then the economic 
loss to the load is $1,000 per hour.  If the power costs in Figure 2.4 reflect the marginal 
social costs to generate power, then the unnecessary social loss is also $1,000 per 
hour.  There are also financial costs and benefits to the generators.  By not serving the 
load, the $20 per MWH generator will lose $1,000 in revenue while the $40 per MWH 
generator will gain $2,000 in revenue.  The load will pay an additional $1,000 in electric 
costs. 
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There is an important distinction here.  That is, congestion can be managed, before the 
fact, with information provided from the scheduling period only if ATC is known.  
However, congestion must be managed in real-time if ATC is wrong. And real-time 
management of congestion is inherently less economically efficient because dispatch 
options are limited.  Figure 2.5 depicts the sequence of mechanisms available for 
congestion management. 

 
Fig. 2.5.  Sequence of mechanisms for congestion management 

 
 
 
 
PERIOD PRIOR TO SCHEDULING 
 
 
 
 
 
 
SCHEDULING 
 
 
 
 
 
 
 
REAL TIME ADJUSTMENTS 
 

 

The fundamental point is that if ATC is wrong during the scheduling period when there 
is the attempt to efficiently allocate transmission capacity, the SO can still maintain 
system reliability through real-time adjustments.  Reliability is not compromised, 
however, economics may suffer. This can happen because the calculation of ATC 
depends upon forecasts of load and generation patterns throughout the system. If the 
forecast is wrong, then the ATC calculation can be wrong. 

Figures 2.3 and 2.4 demonstrate another important point about transmission 
congestion.  Without congestion, the marginal cost to supply an increment of load is 
determined by the lowest marginal cost generator on the system and is the same for 
any load on the system (see Figure 2.3).  However, with congestion the marginal cost to 
supply an increment of load is determined by location.  The marginal cost for a given 
location is the lowest cost increment of generation supply with available transmission 
capacity between the generation source and the load. 
 

Forward Markets:  
 
 
Bi-lateral Contracts 
Spot Market 

Dispatch of voluntary resources 
under SO’s control including 
adjustment bids 
 
 
Involuntary Actions: TLR 

Submitted Schedules 
 
 
Adjustments to submitted 
schedules based on ATC 
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2.3 Historical Approach and The Contract Path 
 
The historical approach to congestion management was developed based on the 
operations of integrated utilities.  These utilities developed integrated generation and 
transmission networks.  Generating units were planned and located within the 
framework of available transmission facilities.  Although transmission could become 
congested because of unanticipated load growth or the availability of neighboring 
generation, these problems were for the most part “internal” to the utility.  The utility 
could develop additional transmission facilities or new generation to solve its own 
problems.  The utility dispatched its own generation resources to meet its system 
reliability objectives at minimum cost.  Transmission links to other utilities and control 
areas were mainly used to reduce reserve margins through diversity.  While, power 
exchanges took place between utilities, they were usually based upon mutual 
agreement with each utility maintaining control over use of its own transmission 
facilities. 
 
However, even in the era before restructuring and open transmission access, there 
were disputes over the use of third party transmission or “wheeling” of power.  The 
transmission owner had the right to be compensated for use of transmission facilities.  
However, the actual physical path of transferring power over large distances within an 
integrated transmission grid was problematic.  In fact the power got from the generating 
source to the load over many parallel paths.  In order to define the “path” for purposes 
of making the transaction, utilities developed a convenient fiction.  If there existed a 
transmission path with sufficient capacity between the generator and the load this was 
defined as the “contract path.”  This approach was practicable when most generation 
and loads were still matched within the same utility service area.  However, in the 
advent of restructuring and competition for bulk power, this contract path approach is no 
longer viable.  Transmission planners did not anticipate the exchange of large amounts 
of power over long distances.  The result is a large increase in loop flows, which can be 
defined as the physical flow of power when it does not correspond to the contractual 
flow.  In essence, the relevant systems of generation and transmission resources that 
must be coordinated have become much larger and more complicated.   
 
These larger power and transmission systems include multiple utility service areas 
controlled by SOs or ISOs.  The term “Independent” connotes their independence from 
the participants in the bulk power market.  Examples of ISOs include the CAISO 
(California ISO), the NYISO (New York ISO), the ISO New England, the ERCOT and 
the PJM Interconnection.  The central role of the SO or ISO is to coordinate the 
schedule of resources and loads within a transmission network in order to maintain 
system reliability and to facilitate the operation of a competitive market for bulk power.  
Thus, the challenge of managing transmission congestion falls on the SO. 
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2.4 Congestion Management And Market Design 
 

The driving force of utility restructuring is competition of power generators for electric 
customers and loads.  As pointed out above (see Figures 2.3 and 2.4) transmission 
resources can be a complicating factor in the competition based on the price of power 
generation.  The main challenge for congestion management is how it can be structured 
so that it efficiently supports competition in the bulk power market. 
 
Perhaps the dilemma of congestion management is best seen through the operation of 
Transmission Loading Relief (TLR).  TLR has several inherent inefficiencies in the 
electric energy market. TLR depends strongly on the determination of total transmission 
capability (TTC) or the amount of power that can be transmitted between two points, 
and also on the available transfer capability or the amount of power that can be 
transmitted between two points simultaneously with other transactions and reserves 
needed for reliability. However, ATC costs are not considered in the calculations, and 
the method’s inherent lack of accuracy and uncertainty can result in either under-
utilization or overselling of transmission line capacity.  
 
Under congestion conditions that threaten reliability, TLR is activated by an 
administrative rule and not by economic considerations. Administrative curtailments can 
lead to congestion charges that are higher than transmission provider charges. This 
difference in charges is ‘left over’, and market participants game the TLR rules to take 
this money by submitting transactions which would never materialize but will position 
them to be curtailed less and force others to be curtailed more. Under TLR, congested 
transmission is not offered to the highest bidder and the effects of counter-flow trades 
are not credited against other trades, which all adds to the inefficiency of this congestion 
management method. 
 
A simple example illustrates the problem with this approach.  Assume a case where 
congestion results on a system in which there are only two users on a congested 
facility, each using 50% of the capacity.  User A has a contract to receive power at $20 
per MWH and User B has a contract to receive power at $40 per MWH.  When their 
transactions are curtailed, each user can replace the power for $41 per MWH.  
Curtailing each user an equal amount is economically inefficient because the value to 
use the congested facility is much greater per MWH for User A ($41-$20=$21) 
compared to User B ($41-$40=$1).  The ideal congestion management system would 
allow competitive forces to efficiently determine which transactions should be reduced 
to avoid congestion.  Using this competitive criteria would utilize the transmission 
system to support the highest value of power exchange as determined by the cost and 
location of generation resources and loads within the system.   
 
To be successful, any system to allocate scarce transmission resources must attempt to 
find the set of transactions that maximize the value of using the congested facilities.  
This set of transactions will fully use the congested capacity up to the required level of 
reliability.  The information necessary for achieving this must be generated prior to the 
real-time system operation in time to create a workable schedule. 
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For any congestion management approach, there is a scheduling period where 
transmission availability is in full play and a period of real time adjustments where the 
SO must balance generation and load with system resources under his control.  The 
scheduling period is an opportunity for forward markets to allocate available 
transmission capacity.  These forward markets can operate from months or days up to 
hours ahead of the real-time system operation.   
 
Forward markets are considered a key factor in generating the information necessary to 
value alternative uses for congested facilities.  Theoretically, the interplay of market 
forces will result in providing the right to use congested facilities to those market 
participants that place the highest value on their use. 
 
To the extent that the combination of power resources and transmission availability can 
be efficiently allocated in this scheduling period, congestion management will be 
efficient.  However, for several reasons this objective is problematic.  Some of the 
problems will be discussed in the next section. 
 

2.5 Problems And Challenges For Implementing Market-Based 
Congestion Management—Centralized Versus Decentralized Systems 
 
The essential problem for efficiently combining competitive power markets with 
congestion management is in defining the property right to transmission in such a way 
that it can efficiently allocate the ATC within the structure of a competitive market 
process.  One inherent difficulty is that the ATC for any transmission link depends on 
the utilization of all other links within the network.  Therefore, each change in scheduled 
generation and load within the system affects the ATC for all links on the system.  This 
creates a moving target for matching a property right to ATC.   Another difficulty is that 
because of parallel power flows across the system, any transaction uses many links as 
power flows from the generation point to the load1.  How can transmission rights be 
defined so that transactions are not overly complicated by the need to purchase rights 
for multiple transmission links between the power source and the load?  Unless 
transmission rights can be adequately defined it will be difficult or inefficient to trade 
them within a competitive market.   Transmission rights may be defined as physical 
rights or financial rights.  They are often ambiguously labeled as FTRs, which might 
stand for Financial Transmission Rights, Firm Transmission Rights, or Fixed 
Transmission Rights.  Ziad Alaywan of the California ISO (Alaywan 2001) describes 
three alternative FTR structures: 
 
Physical Rights Model.  This FTR model only considers scheduling rights. The FTR 
owners schedule across inter-zonal interfaces.  Any FTR that is not used in the day-
ahead market will be released in the hour-ahead market for others to use without 

                                            
1 Transmission use is determined based on power transfer distribution factors (PTDF).  These factors are 
based on transmission flow models that translate the physical effects of each energy transaction into 
requirements of transmission rights and transmission loss coverage 
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retaining the financial rights. The market participants that do not own FTRs can buy 
FTRs through the secondary markets. 
 
Mix of Physical and Financial Rights Model.  In this model, FTRs provide scheduling 
priority as well as financial rights. FTRs are not the only way to schedule a transaction 
on the transmission system. FTRs that are not sold in the day-ahead market are 
released in the hour-ahead markets, but the original owner retains the financial rights. 
The FTRs also provide a higher priority of scheduling services in the case where the 
ISO has to allocate transmission capability in the absence of economic signals such as 
adjustment bids. Adjustment bids allow the FTR holders to sell their FTR rights in the 
day-ahead market if the price is right. 
 
Financial Rights Model.  In this model, the FTR holder privileges are limited to financial 
rights. FTRs are not needed to schedule a transaction on the transmission system and 
do not provide higher-priority service when the ISO has to reduce schedules. The FTR 
owner receives payments. 
 
Although there are several alternative proposals for incorporating congestion 
management into competitive markets for bulk power, they can be divided into two 
types:  centralized and decentralized. 
 

2.6 PJM Interconnection—A Centralized Approach Based on 
Locational Marginal Pricing 
 
The centralized approach is exemplified by The PJM Interconnection.  Historically, PJM 
has been a centrally dispatched power pool.  Members put their generation resources at 
the disposal of the pool and they are centrally dispatched to minimize system costs.  
This is the traditional approach of utilities.  However, because PJM is a power pool it 
incorporates the generation resources of several utilities resulting in the largest centrally 
dispatched system in North America. 
 
PJM achieves congestion management through its centralized control of generation 
resources.  The system operation utilizes a computer program that minimizes the cost 
of dispatching generation resources subject to the transmission constraints (see Section 
4.3).  Market incentives for power and transmission are combined through a system of 
Locational Marginal Prices (LMPs).  These LMPs are determined for 1,750 busses 
within the PJM system.  The LMP is determined by the system marginal generating cost 
plus the “shadow price” on the transmission constraints specific to location of the 
generation and the load busses.  These LMPs are posted on the OASIS system 
(Internet) every five minutes so they are essentially known in real time.  The congestion 
shadow price is the incremental cost of redispatching the system due to the 
transmission constraint. 
 
PJM provides a market that allows participants to financially hedge their transactions 
through FTRs.  The FTRs are initially auctioned and then traded in secondary markets.  



 12 

Their role is to provide a hedge against the uncertainty of high LMPs caused by 
congestion.  The purchase of FTRs in effect guarantees the purchaser the LMP at the 
generation buss regardless of the LMP at the load buss. 
 
In effect, PJM provides two types of incentives to account for congestion.  The LMPs 
indicate the charge for congestion.  These charges for congestion are only determined 
after the fact; however, they provide historical information that helps inform and 
indirectly provides incentives for future transactions to anticipate congestion costs.  
Market demand for FTRs corresponding to congested nodes or hubs (FTRs for hubs 
are created by taking a weighted average of an aggregation of nodal FTRs) will 
increase the cost to hedge a transaction and signal the anticipated cost of congestion. 
 

2.7 Decentralized Approaches with Property Rights Based on Zones 
and Flowgates 
 
Decentralized systems rely on forward markets that generate bilateral transactions 
based on some form of transmission right.  These forward markets are combined with a 
centralized spot market necessary to make balancing adjustments to the scheduled 
transmission.  The key factor for these market-based systems to work efficiently is in 
defining the transmission right.  These rights must accurately reflect transmission 
scarcity.  Also, the trade and exchange of these rights should achieve an allocation that 
is economically efficient in controlling congestion throughout the system. 
 
The transmission rights must reflect the marginal value of transmission availability 
where it would otherwise be in short supply (congested).  Another requirement is that 
transmission rights are defined so that they are clearly understood and accepted by 
market participants.  Finally, they must be of sufficient scope and interest that they are 
liquid in exchange markets.  These various requirements are necessary to provide a 
rights that both accurately reflect the transmission scarcity and that have a broad 
enough interest to create a competitive market.  If the rights are defined too broadly, 
they may not accurately reflect the scarce resource.  If they are defined too specifically, 
there may not be enough interest to generate the advantages of a competitive market. 
 
Current proposals for decentralized markets in transmission rights have defined them 
based on congestion between zones or congestion across “flowgates”.  Zones may be 
defined based on areas in which there tends to be relatively little congestion inside the 
zone (intra-zonal congestion).  Therefore, only the congestion between zones (inter-
zonal congestion) must be priced and allocated as opposed to all potentially congested 
paths.  Property rights to transfer power between zones must reflect the available 
capacity so that congestion is avoided but available capacity is fully utilized. 
 
An alternative formulation for a decentralized system is to define rights based on 
flowgates or commercially significant facilities.  In this formulation, transmission rights 
are based on the transmission capacity of facilities or links that may potentially become 
congested.  Their property rights are related to the physical transmission capacity and 
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are allocated for the use of these flowgates.  In theory, users would purchase the 
portfolio of flowgate rights that allowed the desired power transaction.  There would be a 
market for flowgate rights after an initial auction of the available capacity. 
  
Whether a centralized or decentralized system is better for congestion management has 
generated significant debate.  An advantage of PJM’s centralized system is the control 
that the SO has to operate the system efficiently through central dispatch.  If the costs 
to dispatch generation resources are accurate, the LMPs can provide a very accurate 
accounting of congestion costs for the entire system.  However, critics of centralized 
systems and LMPs say that because congestion charges can only be known after 
transactions have taken place, they do not allow the advantage of forward markets 
where participants can “discover” the advantages of trade by negotiating the price of 
transmission prior to the transaction.   
 
Alternatively, decentralized systems are criticized as potentially unworkable without 
significant uplift charges for unanticipated congestion.  Critics of the flowgate concept 
believe that the rights to flowgates cannot be correctly defined because they depend on 
ever changing contingencies (Ruff 2001).  Another criticism is that the prices charged 
for using flowgates or commercially significant facilities will simply chase congestion to 
other parts of the system that are unpriced (Ott 2000).  Then the redispatch costs to 
relieve congestion on the unpriced facilities must be covered by spreading costs (uplift 
charges).  Critics maintain that, to the extent that congestion is simply shifted to other 
parts of the system and congestion costs are socialized to all users, the congestion 
management benefits of efficiently pricing transmission capacity will be lost. 
 

2.8 Congestion and Transmission Expansion 
 

Although congestion costs may be minimized by efficient congestion management 
strategies, an overarching concern is that the marginal cost of congestion should not be 
higher than the marginal cost of reducing congestion through investment in additional 
transmission capacity.  In other words, high congestion costs should be a signal for 
expanding transmission capacity. 
 
Although congestion management may be incorporated into market incentives, 
transmission owners are regulated and will therefore respond to the opportunities 
provided by regulators.   Regulators must consider how the costs of congestion would 
be affected by increased investment in transmission facilities.   In general, if congestion 
management is efficient, the economic costs of congestion are reduced to a minimum 
and the given set of transmission resources are used efficiently.  Investing in 
transmission will always tend to increase reliability and reduce the costs of congestion.  
The key question is at what price? 
 
One important connection between transmission investment and congestion 
management is that the marginal cost comparisons may look significantly different 
depending on whether congestion management is economically efficient.  A dollar of 
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investment in transmission capacity may have considerably different effects depending 
on how efficiently the existing transmission system is utilized.  The efficiency of 
congestion management will also influence the type of transmission expansion and the 
location of new generation. 
 
A more oblique connection between congestion management and transmission 
investment is the connection between the charges imposed for congestion and who 
receives the revenues they generate.  One knee-jerk reaction might be that the 
congestion charges could revert to the transmission owners or the SO for investment in 
transmission facilities.  This has the appeal of connecting the need to reduce congestion 
with a source of funds that runs in close parallel.  However, this approach is wrong 
because it would create a perverse incentive for the transmission owners or the SO to 
maintain or increase congestion in order to increase the funds received. 
 
The price signals indicating the cost of congestion are important as a signal for 
allocating scarce transmission resources per se.  The question of who receives these 
funds will not hinder this allocation.  As a practical matter, the funds collected could go 
to any entity or purpose as long as this disbursement would not create incentives that 
promote congestion. 
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3.  FERC, NERC, and Regional Reliability Councils 
 

The Federal Energy Regulatory Commission (FERC), the North American Electric 
Reliability Council (NERC), and the NERC regional reliability councils all have oversight 
roles in managing congestion. FERC is primarily concerned with assuring fair and open 
markets while NERC and the regional councils focus on technical reliability issues. But 
reliability and markets are inexorably intertwined. “Technical” reliability rules inevitably 
impact markets and market incentives inevitably impact reliability. All three entities are 
evolving to try to deal with restructuring in general and transmission congestion 
specifically. 
 

3.1  FERC 
 

FERC has the national responsibility and authority to design the electric power industry 
structure. In order to remove impediments to the wholesale electric energy markets and 
to increase efficiency and reduce energy costs to consumers nationwide, FERC issued 
two Orders in April of 1996, which became the foundation for open transmission access. 
These orders apply to public utilities that own, control or operate facilities used for 
transmitting electric energy in interstate commerce. Order 888 requires these utilities to 
file open access non-discriminatory transmission tariffs. Order 889 requires the utilities 
to separate transmission and wholesale power merchant functions, and to participate in 
an Open Access Same-Time Information System (OASIS), which electronically provides 
all market players with transmission capacity, prices, and other information needed to 
obtain non-discriminatory open transmission access. 

 
During the following three years, the industry underwent a sweeping restructuring under 
new federal and state regulations, including divestiture of generation plants by investor 
owned utilities, a significant number of mergers, and a large number of entrants such as 
power marketers and independent generation developers. Various independent system 
operators (ISOs) were established to manage large transmission systems. In December 
1999, FERC issued Order 2000 to address transmission pricing, congestion, parallel 
path flow, planning, and coordination between regulatory agencies. Order 2000 compels 
the formation of Regional Transmission Organizations (RTOs), requiring all public 
utilities to be part of an RTO. Order 2000 also defines the minimum characteristics and 
functions of an RTO. 

 
FERC recently adopted a more hands-on approach to achieve its goal of a seamless 
national power market place. FERC’s role is to issue policy at the highest level, and it is 
still looking to country, state, and industry organizations to develop and implement 
reliability and business methods and standards. FERC is also active in bringing all 
stakeholders together to gain open communications between all and expeditiously 
coordinate the decision-making process. FERC’s role is also to provide the needed 
authority to compel adherence to rules in the competitive power markets. 
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FERC is focusing on six top priority items: 
 

1. Congestion management 
2. Cost recovery 
3. Market monitoring 
4. Transmission planning 
5. Business and reliability standards 
6. Transmission rights 

 
Two main efforts are being pursued by FERC. One is to organize and form a limited 
number of RTOs nationwide to coordinate transmission activities over a broad 
geographic area. The second effort is to promote development of the necessary 
processes to make the market work, while meeting system reliability standards. The 
Commission feels that it needs to offer more direct guidance on key market issues than 
it gave in the past. This is in agreement with the industry’s consensus that more 
complete and clearer interpretation of FERC’s rules are needed to attain continuity in 
the market’s operations between regions, which today have extremely diverse practices 
and procedures. To resolve this problem, FERC plans to initiate rulemaking activities on 
market design and structure to translate the eight RTO functions in Order 2000 into 
concrete protocols for the RTO organizations. A series of Commission-led workshops 
focused on each of the priority items listed.  They are designed to result in a new pro 
forma tariff to replace Order 888 Open Access Transmission Tariff, and will be required 
of all public utilities and RTO’s. This new tariff will favor market design standardization 
and will follow ongoing efforts by industry and state utility commissions. State regulators 
will be included in workshops on market design, particularly on the critical issues of cost 
recovery and market monitoring. 

 
The following actions are also planned by FERC for implementation in the near term: 

• All jurisdictional utilities must either elect to join an approved RTO or have 
all market-based privileges by any corporate affiliate be revoked. 

• No mergers will be approved relating to entities that do not become part of 
an operational RTO. 

• Public utilities who do not choose to be part of an RTO could be audited to 
ensure just and reasonable transmission rates. 

• Pending rehearings and RTO filings will be expedited. 
 

3.2   NERC 
 

Historically, the vertically integrated utility industry utilized the North American Electric 
Reliability Council (NERC), a bottom-up, electric-utility-dominated, volunteer 
organization, to establish reliability rules and monitor compliance.  NERC was formed in 
1968 in the aftermath of the 1965 Northeast Blackout and in response to the 1967 U.S. 
Federal Power Commission report on that blackout recommending the formation of an 
industry-based national reliability organization. NERC is funded by the 10 regional 
councils, which adapt NERC rules to meet the needs of their regions (NERC 2001a). 
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NERC and the regional councils have largely succeeded in maintaining a high degree of 
transmission-grid reliability throughout North America.  
 
Until a few years ago, FERC and NERC operated on parallel tracks with little interaction 
needed between the two institutions. FERC oversaw bulk-power commerce, NERC 
oversaw bulk-power reliability, and there was little interaction between commerce and 
reliability. Unbundling generation from transmission and creating competitive markets 
for electricity are dramatically changing this situation. The industry now recognizes that 
reliability and commerce are tightly integrated. Increasingly, FERC receives cases in 
which market participants complain that NERC reliability rules, their implementation, or 
both competitively disadvantage them. NERC established a Market Interface Committee 
as a complement to its long-standing Operating and Planning Committees in September 
of 1998. NERC has been instrumental in making the congestion management issues 
visible and also in searching for solutions, which reconcile the reliability and physics of 
the grid with the developing competitive market needs. NERC spearheaded the OASIS 
Working Groups that developed the standards and communications protocols followed 
by all transmission providers to post market information and facilitate the Electronic 
Scheduling Collaborative, which recently filed a report with FERC on its efforts to 
develop common business practice standards for electronic scheduling (NERC 2001c). 
 
In response to recent NERC requirements, Regional Security Coordinators coordinate 
within the reliability regions and across the regional boundaries. These security 
coordinators conduct day-ahead security analysis, analyze current-day operating 
conditions, and implement NERC's Transmission Loading Relief (TLR) procedures to 
mitigate transmission overloads.  
 
Recognizing that curtailment is likely to occur when transmission capacity rights are 
granted at the same time to market participants and to power system operators, but 
based on totally different rules for each, NERC is promoting the development of a long-
term plan to address the issues related to congestion management. 
 
NERC is focusing on four priority issues associated with congestion management: 

 
i. Reconciliation of economic and reliability management transmission 

models: When transmission reservations and schedules are made based 
on contract path models, and reliability assessment and transmission 
curtailment decisions are based on actual flows, the result is a challenge to 
integrate reliability and market needs. This issue could be mitigated through 
effective coordination of reliability impacts among providers during the 
reservation and scheduling assessment processes. However, on a tightly 
interconnected grid the coordination burden is high and, if not fully 
executed, can be frustrating to both the transmission providers and the 
market participants. 

 
ii. Reduction of the proliferation of access rules and practices: Integration 

of market activities across regional and provider boundaries is challenged 
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by the growing diversity of transmission access and congestion 
management procedures. While FERC regulations and the provincial 
Canadian regulatory authorities provide a foundation for transmission 
access and NERC policies establish a basis for reliability, regional entities 
and providers have sought and received approval for innovative tariffs. 
Regional scheduling and congestion management practices have provided 
integration and market efficiencies at the regional level but leave 
unanswered the challenge of integrating electricity markets at the North 
American level. FERC’s RTO ruling does emphasize the need for 
interregional coordination. The question remains of how much integration 
and standardization is required to meet reliability and market objectives. 

 
iii. Tool integration: A patchwork of tools is used for the market-reliability 

interface. FERC has required providers to offer reservations and ancillary 
services over OASIS. Scheduling and transaction tagging processes are 
handled on separate systems and congestion management on even other 
systems. Market participants have often expressed concern for the high 
transactional burden of dealing with so many different systems. Available 
systems appear to the market to be overly complex and redundant. 

 
iv. Improvement of congestion management processes: The industry has 

not yet consistently met the market's needs for efficient and effective 
congestion management. Some concerns voiced include: 

 
• The number and amount of transactions curtailed to solve a reliability 

constraint is excessive and costly to the market. 
• There is limited opportunity or incentive to redispatch resources or take 

other actions to minimize reliability impacts on the market. 
• There are limited incentives to the transmission provider to build 

transmission or otherwise remove transmission constraints. 
• Market participants don’t have access to timely and accurate 

information about transmission system constraints and congestion 
management actions. 

 
Even though NERC is actively pursuing a market-oriented solution to congestion 
management, NERC’s currently instituted and approved method is TLR, which is still 
curtailment-based, with some consideration given to non-discriminatory curtailment. In 
general, a transmission provider whose system becomes congested as a result of loop 
flows from transactions scheduled in other systems can use TLR to curtail the 
transactions creating congestion. With the substantial increase in wholesale 
transactions under FERC’s directive of open access, a significant amount of 
interchange flows have been interrupted by TLR in order to maintain security. Hence, 
NERC issued its initiative to develop congestion management methods, which would 
mitigate the effects of TLR.  
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3.3  Regional Reliability Councils – WSCC as an Example 
 
The North American electric power system is divided into ten regions that are overseen 
by ten regional reliability councils (Figure 3.1). The councils are responsible for refining 
NERC reliability rules and applying them to the unique physical, commercial, and 
regulatory conditions of their region. Two of the councils are also interconnections, The 
Electric Reliability Council of Texas (ERCOT) and  The Western  Systems  Coordinating 
 
 

Fig. 3.1 NERC’s 10 regional councils cover the 48 contiguous states, most of Canada, and a 
portion of Mexico. 
 
Council (WSCC).  These two councils and the Eastern Interconnection are connected to 
each other only through asynchronous DC ties. Two of the regions, ERCOT and Florida 
Reliability Coordinating Council (FRCC), are contained within a single state, Texas and 
Florida respectively. Two of these are also single control areas, ERCOT and MAAC 
(MAAC is also PJM). Three of the regions are international; Northeast Power 
Coordinating Council (NPCC), Mid-Continent Area Power Pool (MAPP) and WSCC 
have members in Canada as well as in the U.S., while WSCC also has members in 
Mexico. These are also historic entities where the current rules and regulations depend 
to a great extent upon the organizations past history. We examine one of these regional 
councils, WSCC, more closely to see how it deals with congestion management. 
 
WSCC was formed with the signing of the WSCC Agreement on August 14, 1967 by 40 
electric power systems. Those "charter members" represented the electric power 
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systems engaged in bulk power generation and/or transmission serving all or part of the 
14 Western States and British Columbia, Canada. Membership in WSCC is voluntary 
and open to major transmission utilities, transmission dependent utilities, and 
independent power producers/marketers. In addition, affiliate membership is available 
for power brokers, environmental organizations, state and federal regulatory agencies, 
and any organization having an interest in the reliability of interconnected system 
operation or coordinated planning. 
 
The WSCC region encompasses a vast area of nearly 1.8 million square miles serving 
65 million people with a peak load exceeding 130,000 MW. It is the largest and most 
diverse of the ten regional councils. WSCC's service territory extends from Canada to 
Mexico. It includes the provinces of Alberta and British Columbia, the northern portion of 
Baja California, Mexico, and all or portions of the 14 western states in between. 
Transmission lines span long distances connecting the Pacific Northwest with its 
abundant hydroelectric resources to the Southwest with its large coal-fired and nuclear 
resources.  Figure 3.2 shows WSCC’s dependence upon transmission links to integrate 
a large geographic area into a single interconnection.  (WSCC 2001) 
 
Historically, the reliability councils and NERC have functioned without external 
enforcement powers, depending on voluntary compliance with standards. Recognizing 
this, the “standards” were really only guidelines for good utility practice. NERC is now in 
the process of converting its system from one in which peer pressure encouraged 
compliance with voluntary standards into one in which compliance is mandatory and 
violations are subject to penalties (including fines). But the absence of federal legislation 
requiring compliance with reliability standards is problematic.  
 
WSCC has taken a unique approach to compel compliance with reliability rules. WSCC 
members have voluntarily entered into binding contracts committing them to abide by 
WSCC reliability rules. WSCC is thus able to impose fines on many of the members if 
they fail to meet reliability standards. Contract law, rather than federal regulatory 
authority, provides the reliability incentive. The severity of the sanctions increase with 
seriousness and number of infractions.  
 
WSCC’s procedure to manage transmission congestion is based on the members’ 
cooperation and results in stepped curtailments. This procedure was designed under 
the traditional vertically integrated electric utility industry structure. As such, it performed 
well for many years and met the requirements and expectations of all stakeholders in 
those times but it has difficulty coping with the new competitive environment. 
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Fig. 3.2 WSCC congestion paths and flow limitations. 
 
Table 3.1 summarizes the curtailment actions nine-step sequence, and is an example of 
scarce transmission capacity allocated on a system reliability basis. Transmission 
operators call for help whenever loading on their facilities becomes excessive. Relief 
actions can include adjusting phase shifters and other flow control devices, generation 
redispatch, and/or curtailment of transactions. The desired actions are implemented in 
the scheduling hour immediately following the request. Transmission operators are 
allowed to make an initial request for any step in the procedure up through the ninth 
step, provided that neither over-control nor over-curtailment are expected.  

 
The transmission operator is typically only concerned with reducing the loading on the 
overloaded facility. Members may arrange among themselves to make different 
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curtailments than those specified by the transmission SO as long as they are equally 
effective in alleviating the overload condition. Providing for alternative arrangements 
that members arrive at themselves is the beginnings of a market response to 
congestion and can greatly increase the economic efficiency of congestion 
management.  

 
If the constraint persists, then each successive step is taken until the desired relief is 
obtained. The transmission system operator must reconfirm the need to continue the 
curtailments at least every four hours. The transmission SO must also notify members 
that curtailments can be reduced when the actual flow on the facility of concern is 
reduced below 97 percent of its transfer limit. Schedules are resumed in the reverse 
order that schedule curtailments were initiated. 
 
Table 3.2 compares the FERC, NERC and WSCC requirements for congestion 
management. All three organizations have traditionally worked closely, but due to the 
basic differences in their respective roles, their functions are different. FERC is a high-
level policy maker, while WSCC is closer to the day-to-day operations, with NERC in the 
middle of the spectrum. This is reflected in the table in the degree of detail with which 
each organization has addressed congestion management requirements.  
 
The voluntary cooperation which existed at the regional level (WSCC) and that allowed 
efficient management of unscheduled flows in the vertically integrated past is now being 
replaced with mandatory coordination starting at the national (FERC) and inter-regional 
(NERC) levels to support competitive markets. This is a direct consequence of the 
number and diversity of participants in the market with a wide range of objectives. 
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Table 3.1 WSCC utilizes a nine step reliability-based process for transmission system 
operators to obtain relief when their facilities are overloaded 
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Table 3.2  Congestion management requirements comparison  

ENTITY 
ATTRIBUTES 

 
FERC NERC WSCC 

Implementation and 
Performance 

   
 
• Congestion 

Management 
Effectiveness 

 

FERC recognizes transmission 
congestion as the highest priority 
issue, however Order 2000 only 
discusses this in broad terms and lists 
comments from future market 
participants. 

After FERC 888 and 889 rulings, NERC 
recognized impact of own Transmission 
Loading Relief method on market development. 
Now promoting new CM methods to mitigate 
TLR effects (Policy 9).   

Curtailment and redispatch highly effective CM before 
deregulation, due to close cooperation among WSCC 
members and strict adherence to normal and emergency 
reserve margins.  Minimum cooperation and margins today. 

• Interregional 
Coordination 

FERC’s thrust has been to have 
utilities voluntarily form regional 
transmission organization (RTO’s) 
nationwide.  Recently FERC has stated 
this requirement more forcefully.   

Compliance with NERC guidelines is mandatory 
but not enforceable.  NERC is transitioning to 
NAERO to gain legislation and enforce 
nationwide. 

Voluntary compliance with WSCC guidelines is now low.  
Some new market participants are not members.  New 
organization for western interconnected states being 
proposed.     

• Transactional Burden 
FERC, NERC, and others ‘councils’ 
provide mandates only, and leave 
implementation to users, hence 
burden depends on users’ selection of 
a specific approach. 

Implementation details are left to RTO’s, ISO’s 
and state regulators. 

WSCC reporting and accounting was considered reasonable. 

Market Impact    

• Cost Allocation Equity 
 

FERC is open to transmission 
ratemaking including congestion 
pricing and performance-based 
ratemaking. 

Under TLR, transmission capacity allocated on 
reliability basis, with some non-discriminatory 
provisions.  Can result in service disruptions 
and high monetary penalties.  NERC is 
supporting a Locational Margin Pricing pilot 
and redispatch studies to upgrade from TLR. 

Some adjustments were made to local utilities, after the fact, 
due to redispatch and loop flows. 

• Implementation Costs Implementation details are left to 
RTO’s, ISO’s and state regulators. 

Minimum for TLR because this is an 
established method.  OASIS is an on-line 
available transfer capability reporting system 
made mandatory by NERC. 

Implementation cost was generally spread over all loads 
within a local system. 

• Investment Incentives Case-by-case incentive pricing. Weak signals given by TLR to invest in either 
generation or transmission. 

No special investment signals. Public utility commissions 
mandate new installations. 

• Forward Markets 
Support 

FERC favors market design 
standardization. On-line market 
information system (OASIS) with 
access to all market participants was 
sponsored by FERC. 

TLR does not support well real-time, high 
trading volume, or energy market pricing. 

Forward markets were stable and did not require price 
variations to exist. 

• Retail Market 
Compatibility 

Only generation and the bulk 
transmission system have been 
addressed so far.  Retail does not 
appear in FERC’s five-year plan. 

TLR focuses on the bulk power market, with no 
built-in considerations for retail transaction by 
all users. 

Not Applicable. 
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4.  ISO CONGESTION MANAGEMENT 
 

ISOs put the guidance provided by FERC, NERC, and the regional councils into 
practice. They deal with physical systems and real markets. They are responsible for 
real-time operations and have the ultimate responsibility for bulk power system 
reliability. The approaches taken by individual ISOs differ because of differences in their 
physical systems (geographic layout, generation mix, etc.)  as well as historical 
differences in how they were formed. None of the ISOs have finished developing their 
congestion management procedures; all are still trying to develop better systems. This 
chapter examines three ISOs in some detail (ERCOT, California, and PJM) to see the 
differences in how they deal with congestion management. Naturally, the specific rules 
that govern precise requirements in each ISO are quite detailed. We intentionally 
provide a more generalized summary here to avoid losing sight of the important 
concepts in the specific implementation details.  

4.1 Electric Reliability Council of Texas  
 

The ERCOT is unique in that it is an interconnection, a NERC region, and an ISO. 
ERCOT serves approximately 85 percent of the state's electric load (Figure 4.1) and 
oversees the operation of approximately 70,000 megawatts of generation and over 
37,000 miles of transmission lines. The ERCOT interconnection is contained completely 
within the borders of Texas, and it doesn't interconnect synchronously across state lines 
to import or export power with neighboring states. As a result, ERCOT is not under 
FERC's jurisdiction. ERCOT is the only ISO in the 48 contiguous states that is under the 
jurisdiction of a single public utility commission. ERCOT membership consists of six 
Cooperative generation and transmission utilities and River Authorities, six Municipals 
owning generation or transmission, four Investor-owned utilities, fourteen Independent 
Power Producers, twenty-three Power Marketers, fourteen Transmission-dependent 
utilities, and Retail Consumer representatives. ERCOT's organizational structure 
includes a Board of Directors, Technical Advisory Committee, three standing 
subcommittees (Engineering, Reliability and Security, and Transmission Market 
Operations), and a number of task forces and working groups. Historically, ERCOT's 
role as a regional reliability council was to maintain the reliability of the bulk power 
system in Texas. As an ISO, ERCOT is now also responsible for providing a fair and 
open market place for wholesale and retail competition. (ERCOT 2001a) 
 
ERCOT employs a flow-based/zonal approach to manage forward markets and 
congestion. A set of commercially significant constraints or ‘flow gates’ is selected.  
Transmission service is reserved through OASIS. The ERCOT ISO considers requests 
on a first-come first-served basis. Available transfer capability is considered together 
with ancillary service requirements. Notification is given to market participants of the 
evaluation of their requests according to the following schedule: 
 

• Within 10 minutes of the request for hourly transactions; 

• Within four hours of the request for daily transactions; 
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Fig. 4.1 ERCOT serves approximately 85% of the Texas load 

 
• Within 24 hours of the request for weekly transactions; and 

• Within two days of the request for monthly transactions. 
Necessary actions are taken to ensure reliability whenever transmission capacity is 
insufficient to meet the scheduled transactions. Redispatching of generation is used to 
manage congestion and ERCOT requests the market to provide prices for generation 
redispatch. Generation is increased (and decreased) in economic order. Other actions 
taken could include transaction cancellations, rescheduling of planned transmission 
service, scheduling new transactions to offset an impacting transaction, and 
rescheduling transmission line maintenance. (ERCOT 2001b, ERCOT 2001c) 

4.1.1 Defining Congestion Zones 
ERCOT uses a flow-based zonal congestion management scheme. The zones are 
defined such that each generator or load within the zone has a similar effect on the 
loading of the transmission lines between zones. Once zones are defined, any 
imbalance between load and generation within a zone is assumed to have the same 
impact on inter-zonal congestion. Zone boundaries are reexamined annually to see if 
generation, load, or transmission patterns have changed enough to warrant changing 
the zones. The zones are designed to capture the “commercially significant constraints”.  
 
ERCOT performs a technical analysis of the system by October of each year to 
determine expected transmission system operating limits and constraints. This analysis 
considers transmission system additions and retirements as well as changes in load 
and generation patterns (Fig. 4.1.1.). An advisory committee then analyzes the list of 
constraints and determines which are “commercially significant”. The committee 
considers historic and expected congestion costs when determining which constraints 
are commercially significant. Costs include the cost of reliability-must-run units and out-
of-merit-order operations of other generators needed to resolve congestion.  (ERCOT 
2001f) 
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A DC load flow model is used to determine the impact of load or generation changes at 
each buss (location) in the ERCOT system on each of the commercially significant 
congestion paths. Statistical clustering is then used to aggregate transmission busses 
into congestion zones based upon their having similar impacts on the congestion paths.  
 
A stakeholder process is used to determine the number of zones (ERCOT 2001d). The 
process attempts to balance the competing goals of minimizing the number of 
congestion zones while still accurately capturing the impact each load and generator 
has on congestion. ERCOT currently has 3 congestion zones.  As of December 2001, 
there were only two commercially significant congestion paths connecting these three 
zones; north/south and north/west. Table 4.1.1 shows the annual MW capacity of each 
path. 

 
 

Fig. 4.1.1 ERCOT currently has 3 commercially significant congestion zones 
 

 
Table 4.1.1 also shows how much impact a change in generation or load in any of the 
congestion zones has on each of the congestion paths. These “zonal shift factors” are 
calculated by taking the weighted average of the impacts of each load and each 
generator within the zone on each congestion path. These averages are weighted 
based upon peak loads and generator maximum ratings and are established annually. 
The zonal shift factors are used in calculating congestion rates to be charged for 
creating congestion. 

 

 

 

 

South 

North 
West 
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Congestion Path N / S S / N N / W W / N 

Transfer Capability (MW) 3262 1124 2104 2000 

Congestion Zone Impact of a change in load or 
generation on a congestion path 

North 24.9% 2.6% 

South 3.4% 0.9% 

West 22.2% 54.6% 

 
Table 4.1.1 ERCOT December 2001 analyses showed 3 congestion zones and two congestion 
paths 

 

4.1.2 Managing Congestion 
Day ahead and operating schedules are analyzed by the ERCOT ISO to determine if 
inter-zonal congestion is expected. Market participants are notified of the congestion 
expectations in order to allow them to adjust their schedules and reduce congestion. 
The ERCOT ISO then purchases replacement reserve service and gets bids for 
balancing energy capacity to manage the remaining congestion. Balancing energy 
resources are dispatched in economic order to minimize the cost of mitigating 
congestion. Reliability-must-run and out-of-merit-order generation is used for congestion 
management only in the absence of market-based solutions, but they are available if the 
ISO believes they are needed.  

4.1.3 Charging for Congestion 
Market participants are charged for inter-zonal congestion based upon an average 
annual congestion price (per MWH) for each congestion path multiplied by their current 
impact (MW) upon each congested path and the duration of the congestion (Hr). The 
use of annual average prices rather than real-time costs makes it easier for market 
participants to know how much congestion will cost them ahead of time. Unfortunately, it 
also means that the ISO may not collect enough revenue to cover the cost of 
congestion mitigation. Additional costs that are not covered by the use of the annual 
average rates are allocated to all customers on a pro-rata basis.  
 
Intra-zonal congestion is identified by a local congestion management model based 
upon market participants hourly generation and consumption schedules along with an 
ISO estimate of the expected load. The ISO then procures appropriately located 
replacement reserves to relieve the expected congestion. Markets are used to obtain 
balancing energy to relieve congestion whenever possible. The cost of intra-zonal 
congestion is also allocated to all customers on a pro-rata share (postage-stamp rate) 
rather than charged directly to the party causing the congestion. 
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4.1.4 Congestion Management Improvements 
ERCOT plans to start charging customers directly for the commercially significant 
congestion they cause by 2004, or sooner if the cost of congestion reaches $20 million. 
ERCOT will then directly charge market participants for the replacement reserves it 
must procure each hour to accommodate energy imbalances and congestion based 
upon their hourly contribution to that need. 
 
ERCOT also plans to initiate the use of transmission congestion rights (TCRs) when 
direct charging for congestion is instituted. TCRs function as financial hedges against 
high congestion costs. ERCOT will determine the amount of TCRs available by 
modeling the system. Sixty percent of the available TCRs for each congestion path for 
each hour of the year will be auctioned off to market participants annually. The 
remaining fourty percent of the hourly TCRs will be auctioned off monthly.2  The full 
capacity of the congestion paths will be used; there will be no reservation of capacity for 
any particular segment of load. 

4.1.5 Transmission Expansion 
ERCOT reviews the cost of correcting localized transmission limitations through new 
construction or other means, and compares this to the costs incurred to correct those 
problems. If the projected or actual cost of congestion management is greater than the 
cost of correcting the transmission limitations through construction of facilities, then 
ERCOT may recommend an upgrade of facilities to the transmission owner.  

 

4.2   California ISO 
 

California was the first state in the nation to offer large-scale retail choice and a 
competitive generation market. To facilitate this state legislation passed in 1996 
required the three investor-owned utilities in the state (Pacific Gas and Electric, 
Southern California Edison, and San Diego Gas and Electric) to turn over control (but 
not ownership) of the transmission system to the new, not-for-profit, California ISO. ISO 
operations began on March 31, 1998. 
 
The California ISO’s power system covers 124,000 square miles, about 75% of the 
state. It supports a $21 billion/year electric energy industry and supplies 164 billion-
kilowatt hours and 45,000 peak megawatts of electricity to 27 million customers through 
25,000 circuit miles of transmission lines each year. The generation resource mix is 
diverse with hydro, nuclear, fossil thermal, geothermal, pumped storage, gas turbines, 
cogeneration, wind and solar power plants all participating. California imports 20% of its 
electric energy needs. It is the second largest control area in the U.S. (PJM is the 
largest) and the fifth largest in the world. The ISO built two new control centers, a main 
control center in Folsom and a backup control center in Alhambra. The California ISO is 

                                            
2 Market participants that own remote generation or that have long term contracts with remote generation 
(established prior to September 1999) will have pre-assigned TCRs. 
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a member of WSCC and one of WSCC’s four regional security coordinators. (California 
ISO, 2001a) 

 
The mission of the California ISO is to ensure safe and reliable operation of the 
transmission system and control area and that there is a competitive market for 
electricity in California. It is specifically charged to rely on market solutions whenever 
possible, taking direct action only after trying market solutions.3  It also fosters market 
friendly reliability standards within NERC, WSCC, and FERC. The ISO recognizes that 
the markets are developing and seeks to continuously improve market rules utilizing a 
stakeholder process to build consensus. (California ISO 1998) 

 
The California transmission system can become constrained for a number of reasons. 
Stability limits, thermal limits, water management, and fuel availability (gas) are all 
important contributors at different times. With a high dependence upon imported 
electricity, constraints on interfaces to the Pacific Northwest, Arizona, and Nevada are 
all important. (Alaywan 2001) 

 
The California ISO uses a hybrid zone-based approach to manage congestion. As in the 
case of ERCOT, a zone is part of the ISO-controlled area within which congestion 
occurs infrequently. However, inter-zonal boundaries have relatively high congestion 
and associated congestion management costs. At these boundaries, allocation of usage 
is based on the value assigned to these boundaries by the scheduling coordinators. The 
purpose of this is to increase efficiency in the use of the transmission system. 
Congestion charges account for about 10% of the ISO market costs, which themselves 
account for approximately 12% of the retail electricity cost. (California ISO, 2001b) 

4.2.1 Defining Congestion Zones 
Congestion zones, and the paths that connect them, are redefined annually. For 2002 
the ISO has established three internal zones (NP15, SP15, and ZP26) and nine external 
zones (2 in the Pacific Northwest, Nevada, 2 in Arizona, the Lower Colorado, Imperial 
Valley, Los Angeles, and Mexico) that have distinct and commercially significant 
congestion. There are nineteen paths connecting these zones. The configuration can be 
seen in Figure 4.2.1. Zones are defined based upon technical analysis and the 
expectation of congestion between the zones. The California ISO Board approves the 
zonal definitions; the process of defining zones is not exclusively technical. (McClain, 
2001) 

                                            
3 ISO actions are subject to reliability, safety, environmental, and future market impact constraints. 
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Fig. 4.2.1  The California ISO’s transmission system serves approximately 75% of the state and 

consists of three internal congestion zones connecting to nine external zones.  
(www.caiso.com) 

 

4.2.2 Managing Congestion 
Inter-zonal congestion management is performed for the overall network with the 
objective of minimizing congestion costs. Market participant’s portfolios are not 
optimized within zones by the ISO. The California ISO relies heavily on markets to 
supply customers’ energy requirements and to manage congestion. Market participants 
(scheduling coordinators, in California) are required to balance their own supply and 
demand schedules. The ISO uses the real-time imbalance market to accommodate the 
inevitable differences between schedules and actual production and consumption. The 
ISO also uses ancillary service markets to obtain regulation and reserve resources.  

 
The ISO analyzes the initial schedules submitted by the market participants to see if 
transmission limits will be violated. If the ISO sees that the proposed energy schedules 
will result in transmission congestion the ISO utilizes “adjustment bids” that were also 
submitted by the market participants to adjust schedules and alleviate the congestion. 
The adjustment bids are obtained from a congestion management market run by the 
ISO where market participants submit bids in day-ahead and hour-ahead markets that 
reflect the market participant’s price for deviating (up and down) from the submitted 
schedule. Market participants that do not provide adjustment bids do not have their 
schedules adjusted and become congestion price takers. (Lo, Xie, Senthil, Alaywan and 
Rothleder, 2001) 
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Inter-zonal Congestion 
 
Inter-zonal congestion management in California keeps each market participant’s 
portfolio of generation and load resources separate.  The ISO does not pay for 
adjustment energy. The ISO’s redispatch to alleviate inter-zonal congestion increases 
output from one of the market participant’s generators (or reduces load) while it 
decreases output from another of the same market participant’s generators on the 
opposite ends of a congested path by the same amount. Thus the ISO is buying 
transmission capacity, not energy, and the congestion mitigation scheme determines 
the marginal cost of congestion mitigation. The ISO avoids interfering in the forward 
energy markets by keeping each market participant’s portfolio of generation and load 
separated and in balance. (Alaywan 1999) 

 
If the market participants do not voluntarily eliminate congestion, CAISO may order 
generation plants that have not submitted bids to bid, if their generation is necessary to 
reduce congestion. These plants are paid at real-time energy prices determined by the 
market. CAISO also has the authority to readjust market participant’s schedules and 
eliminate trades. 

 
A special congestion management procedure to reduce the number of real time 
schedule adjustments and enhance reliability has been established for the California–
Oregon Intertie. This intertie consists of three parallel 500 kV AC lines, which can 
experience unscheduled flows when hydro is plentiful in the Northwest and demand is 
high in California. The ISO determines the historical amount of unscheduled flow on the 
intertie by reviewing data from similar days and estimates the amount of expected 
unscheduled flow. The amount of capacity made available to the market on the 
California-Oregon Intertie is then reduced to a level deemed reasonable to meet 
reliability criteria. Market participants are notified of the reduced capacity. 
 
Intra-zonal Congestion 
 
Congestion can also occur within the zones. Early market rules constrained the ISO’s 
ability to deal with intra-zonal congestion. It was forced to pay very high adjustment bids 
to resolve intra-zonal congestion, even when significantly lower energy bids were 
available for the same capacity, or even when outside resources with lower bids were 
available to resolve the congestion problem. At one time, the cost of this inefficiency 
amounted to $750,000 per day. 
 
California ISO now relies first on market bids in their real-time management of intra-
zonal congestion. Congestion is resolved in each zone separately. The objective is to 
minimize the economic shift among market participants. Bids remaining after the day-
ahead and hour-ahead energy markets and real-time imbalance energy bids are used. 
Incremented and decremented bids on either side of the congested interface are 
exercised in pairs to relieve the congestion based upon their effectiveness and in merit 
order. Intra-zonal congestion management is implemented so as not to inadvertently 
create inter-zonal congestion. The difference in incremental and decremental bids is the 
intra-zonal congestion charge. Market participants are notified at the end of each hour 
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what range in bid cost was required to control intra-zonal congestion over the course of 
the last hour.  
 
In the event that intra-zonal congestion cannot be mitigated with market solutions, the 
ISO has several other tools available. Reliability must-run resources and out-of-market 
calls can be used. Energy schedules can be adjusted on the Pacific Direct Current 
Intertie and/or the California-Oregon Intertie. Costs associated with changing schedules 
and flows on the AC and DC ties, such as losses and wheeling costs, are paid by the 
ISO and recovered from the market participants.  

4.2.3 Charging for Congestion 
Fixed transmission costs are recovered from loads through usage-based transmission 
rates. With fixed transmission costs covered, the ISO is able to price incremental 
transmission use at the marginal cost for removing congestion. The ISO’s marginal cost 
for alleviating congestion is based upon the adjustment bids that the ISO has to 
exercise to counteract the congestion. Users pay nothing when there is no congestion 
and they pay the full marginal cost when there is congestion. This sends the correct 
economic signal to the market to efficiently allocate scarce transmission resources. It 
also introduces price volatility and price risk. (Alaywan 1999) 
 
FTRs can help transmission customers reduce the price risk and volatility associated 
with congestion management. The California ISO auctions limited-term FTRs annually 
that have both financial and physical attributes. FTRs are initially auctioned for a full 
year but can be traded hourly in the secondary market. FTRs are available for 19 
congestion paths connecting 3 internal and 9 external congestion zones.  
 
FTRs provide the owner with income and preferential scheduling from congested 
interfaces. A market participant that owns FTRs equal to (same congestion path, same 
direction, and same number of MW) a transmission schedule that the market participant 
is trying to execute is immune to congestion pricing because the FTRs provide income 
equal to the transmission congestion charge that market participant has to pay.  
 
FTR owners are also last to have their schedules curtailed if market mechanisms are 
not sufficient to manage congestion. This provides physical assurance that specific 
generation can be scheduled to a specific load. This does not allow FTR owners to 
withhold transmission capacity from the market. If the FTR owner does not use the 
capacity, the FTR owner looses the scheduling priority. The FTR owner still gets any 
revenue associated with the FTR. 
 
The ISO first auctioned FTRs for 19 congestion paths in November of 1999 selling 
about one third of the available transfer capability. The revenue collected by the ISO 
when FTRs are auctioned is given to the transmission owners to offset fixed 
transmission costs. This, in turn, reduces the transmission rate paid by all transmission 
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customers. It is important that neither the transmission owner nor the ISO profit from the 
sale of FTRs or it would provide them with an incentive to create congestion.4 

4.2.4 Congestion Management Improvements 
Recently, the California ISO, together with the principal market players, has begun to 
restructure the congestion management process due to the results experienced over 
the last three years. The objective of this ongoing effort is to improve the clarity of price 
signals to the markets (locational accuracy and strong indicators for new installation 
investments). Four deficiencies are being addressed for correction, which should bring 
the market closer in-line with FERC’s requirements: 

 
1)  Forward schedules that are not feasible and could be used to manipulate  

  prices are to be eliminated. 
2)  Accuracy of locational price signals is to be improved. 
3)  Abuse of locational market power is to be eliminated. 
4)  Complete and timely operational information for market participants is to 

be improved. 
 

The last point is critical to achieve reliable system operation that also supports a 
competitive real-time market. To implement real-time operation, the proposed approach 
focuses on making visible to the market all operating practices and procedures, and on 
defining locational pricing on an operational basis and consistent with established 
reliability criteria. This requires the redefinition of locational price zones and FTRs to 
better reflect both how the system is managed and how the market conducts 
transactions in real-time. 

 
CAISO plans to increase the number of congestion zones in order to improve the 
accuracy of locational price signals. The definition of zones will be based on the 
engineering requirements, system conditions, and criteria/practices that guide real-time 
operation to ensure grid reliability, as opposed to today’s approach for revising zonal 
boundaries based on intra-zonal congestion costs. Based on existing operating 
practices and management’s current assessment of engineering considerations, the 
ISO will initially define 11 congestion zones, adding 8 new zones to the 3 existing 
zones. As further engineering studies are conducted, the ISO may revise this list, and 
will bring any revisions before the CAISO board. The ISO will publish information to the 
market, including the grid operating procedures and nomograms used by operators to 
ensure real-time reliability. Related information including current system conditions, load 
forecasts, and the energy and capacity that will be needed in real time for local reliability 
in each congestion zone will also be published. 
 
To manage forward congestion across the inter-zonal interfaces, the ISO will use an 
optimization program in conjunction with the commercial network model to dispatch 
resources, simultaneously balancing demand and supply and managing real-time 

                                            
4 One exception involves new facilities. Whomever pays for new transmission facilities receives the 
auction revenue when the FTRs associated with the added capacity are auctioned. It is hoped that this 
will encourage new transmission investment.  
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congestion. The optimization program will determine every ten minutes the optimal 
dispatch of participating resources, taking into account resource capability (e.g., ramp 
rates) as well as inter-zonal transmission constraints. Market participants will be 
required to schedule generation at the buss level, as they do today. Loads may be 
scheduled at the buss or the zonal level. 
 
The congestion iteration of the current day-ahead market will be retained. Adjustment 
bids that are not used in the first iteration will be published on a voluntary basis, to 
facilitate market participant trading to relieve congestion. The first or second iteration 
will be selected as the final schedule, depending on which had lower total inter-zonal 
congestion costs. Ancillary services will not be procured at the zonal level, but only 
system-wide or within competitive congestion regions (i.e., what are today’s three active 
zones). 
 
Following the running of the usual congestion management for firm schedules, the ISO 
will run a market for recallable transmission service in order to obtain additional 
resources for dealing with congestion. The ISO will obtain forward commitments of 
resources needed for local reliability primarily through local reliability service 
procurement for each zone. Three alternatives have been proposed on the method of 
obtaining reliability resource commitments: two-day ahead procurement, long-term 
contracts, and adjustment bids using the congestion management software. The ISO 
will retain a contract option similar to today’s reliability must-run contracts that can be 
elected from those resources needed for local reliability that would not otherwise be 
viable in the markets.  
 
The ISO will define the minimum reliability capacity and energy required for each 
congestion zone (and sometimes from specific generators) based on forecasts of load 
and system conditions. Each market participant that serves load will have to supply both 
energy and capacity to fulfill this requirement:  

 
• Minimum Reliability Energy – energy that must be scheduled in the 

forward markets against load in the relevant zone, as part of a market 
participant’s balanced schedule; 

 
• Contingency Capacity – additional capacity that must be available for 

dispatch in real time; the capacity does not have to be unloaded like 
typical reserve capacity, but may be forward scheduled or bid into the 
ancillary services or supplemental energy markets.  

 
The ISO will pay for the required capacity if it is not being sold into the ancillary service 
or other markets. The ISO will pay for the Minimum Required Energy; it must be 
scheduled into the energy markets. The ISO will pay for energy dispatched in real-time 
out of the Contingency Capacity. 
 
An auction will be conducted to procure this zonal reliability energy and capacity to 
encourage providers to bid competitively. If competition is not feasible in a zone, bids 
will be capped to mitigate market power. The bid caps could be set just high enough to 
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cover the cost to provide the services. Alternatively, the bid caps could be set higher to 
provide incentives for new resources to locate within the congested zone. Alternatives 
to the bid cap structures are that the bid cap be: zone-specific, resource-specific, or 
constant across the ISO area. 
 
All resources will be required to participate in the zonal reliability energy and capacity 
auctions. Default bids will be used if the resource does not submit a bid. Substantial 
penalties will be imposed on resources that sell capacity and then fail to schedule 
energy in the forward markets or fail to deliver energy or capacity in real-time. Provision 
will be made to exempt resources from these penalties under force majeure conditions 
and to perform necessary scheduled maintenance. 
 
The cost of the zonal reliability procurement will be allocated initially based on the loads 
within each participating transmission operator’s service area. Over five years this will 
shift towards allocation based on loads within each zone. 
 
As part of its ongoing monitoring to evaluate system performance and to assess 
whether zonal boundaries or other features of the commercial network model need to 
be modified, the ISO will run a full internal network model (3000 busses), utilizing all 
actual constraints in the system. 
 
To help mitigate transmission price volatility and to reduce the risk of curtailment due to 
transmission congestion the use of FTRs will be refined in the future market structure. 
All of the available transfer capability will be auctioned off as FTRs.  Initially, a one-year 
auction will release half of the available capacity. A monthly auction will release all 
remaining capacity that is available all month based upon the minimum hourly 
transmission capacity available for the month. The remaining transmission capacity will 
be allocated in the new firm uses market. Revenues from FTRs auctions may be 
allocated to the transmission owners as is done today. Alternatively, these revenues 
may be allocated to a path-specific transmission upgrade fund. 
 
One area of contention in improving the congestion management scheme is that some 
market participants want more than engineering criteria to be used in defining 
congestion zones, and they would like to see this done by stakeholders rather than by 
CAISO alone. Real-time dispatch is supported as well except on the item of the ISO 
resolving intra-zonal congestion problems outside the optimization program. 
Participants would like to see a better-defined and transparent process. 

4.2.5 Transmission Expansion 
The California ISO does not own transmission facilities and does not expand the system 
itself. Transmission owners file annual transmission expansion plans to meet reliability 
and commercial needs, which the ISO approves or recommends modifications too. The 
ISO also works with regional transmission groups and WSCC to ensure that expansion 
projects do not adversely impact the regional grid. (California ISO, 2001a)  
Unfortunately, transmission enhancement in California, as in the rest of the U.S., is 
problematic and actually getting new facilities built is difficult. The ISO reports approving 
129 transmission enhancement projects worth $1.07 billion from 1998 through 2000. 
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They do not report on how many have been built or how many have had construction 
started. (California ISO 2001b) 
 
The cost of transmission enhancements is to be born by the beneficiaries in proportion 
to the benefit they receive, if they can be explicitly identified. If specific beneficiaries can 
not be determined, then the transmission owner pays for the enhancement and the cost 
is passed to all customers through the transmission access charge. (California ISO 
2000) 

4.3  PJM 
 
PJM (Pennsylvania, New Jersey, Maryland) was initially established as a power pool in 
1927. The PJM service area includes all or part of Pennsylvania, New Jersey, Maryland, 
Delaware, Virginia, and the District of Columbia. PJM operates the largest centrally 
dispatched control area in North America.  Geographically, the system corresponds to 
the NERC Mid-Atlantic Area Council (MAAC) (see Figure 4.3.1) encompassing about 
50,000 square miles and serving more than 23 million people. The system dispatches 
approximately 58,000 MW of installed generating capacity--nearly 8% of the nation's 
total. It operates over 8,000 miles of bulk power transmission facilities. (NERC 2001b). 
PJM serves a large load relative to its transmission system. It has approximately 7.3 
MW of demand per mile of high voltage transmission circuit (230 kV and above). This 
compares to 5.5 for the U.S. portion of the Eastern Interconnection and 2.1 for the 
Western U.S. Interconnection. The PJM load is primarily within its eastern portion while 
much of its generation is in the western portion. In 1996 PJM’s energy generation was 
predominantly coal (42%) and nuclear (34%). It was connected to the New York Power 
Pool, The Cleveland Electric Illuminating Co., Allegheny Power Systems, and Virginia 
Power (PJM 1996). In 1999 PJM imported 22,600 GWH while exporting 18,400 GWH. 
In 1999 PJM assumed responsibility to add new generation resources to the control 
area. As of 2000, there were about 39,000 MW of proposed capacity compared to 
58,000 MW of installed capacity. (PJM 1998 and PJM 2000)  
 
PJM Interconnection became the first operational ISO in the U.S. on January 1, 1998, 
managing the PJM Open Access Transmission Tariff and facilitating the Mid-Atlantic 
Spot Market.  There is no separation of the power exchange market (PX) and the ISO. 
(PJM 2001a)  
 
The PJM staff centrally forecasts, schedules, and coordinates the operation of 
generating units, bilateral transactions, and the spot energy market to meet load 
requirements. To maintain a reliable and secure electric system, PJM monitors, 
evaluates and coordinates the operation of over 8,000 miles of high-voltage 
transmission lines. The PJM OASIS is used to reserve transmission service. Operations 
are closely coordinated with neighboring control areas, and information is exchanged to 
enable real-time security assessments of the transmission grid. PJM provides 
accounting services for energy, ancillary services, transmission services, and capacity 
reserve obligations. (PJM 2001a) 
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4.3.1 Locational Marginal Pricing 
PJM manages congestion through a market design based on Locational Marginal 
Pricing. The Locational Marginal Price (LMP) is defined as: “The marginal cost of 
supplying the next increment of electric demand at a specific location (node) on the 
electric power network, taking into account both generation marginal cost and the 
physical aspects of the transmission system.” (Ott 1998)  Figure 4.3.1 provides a 
representation of the PJM Locational Marginal Pricing Model. 

 
Fig. 4.3.1  PJM Locational Marginal Pricing Model 

                                                        Source: Ott 1998 
 

Model Components for Locational Marginal Pricing 
 
State Estimator 

• Model of the conditions that currently exist on the PJM power system based upon 
metered input and an underlying mathematical model. 

Locational Price Algorithm (LPA) 
• Calculates locational marginal prices based on actual system conditions at five-

minute intervals 
LPA Contingency Processor  

• A mechanism for PJM dispatchers to enter binding transmission constraints and 
controlling actions into the LMP calculation process.  
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LPA Preprocessor 
• Determines which generating units are eligible to participate in the LMP 

calculations 
 

4.3.2 Determining Locational Marginal Prices 
The LMPs used by PJM are location specific. They include the marginal cost of 
generation and the cost to deliver energy to the specific location due to congestion. The 
LMPs are generated at five-minute intervals and immediately posted on OASIS. The 
LMPs are calculated for 1,750 PJM busses plus 5 interface busses into the PJM control 
area. When there are no congestion constraints in the PJM system, then the LMPs are 
the same at all busses and equal to the marginal cost to serve load in the control area.  
(PJM 1998)  
 
The LMPs are calculated by minimizing the difference between the bids for generation 
and load subject to transmission constraints.  The LMP model generates sensitivity 
factors from the transmission constraints that determine the dispatch of generating 
units. These sensitivity factors are calculated to avoid congestion at the lowest system-
wide cost. For locations (busses) where there are transmission constraints, the 
dispatched units (in order to operate within the constraint) will have higher costs than 
the lowest marginal cost-generating unit. The increase over the marginal cost- 
generating unit will depend on the dispatch necessary to meet the loads within the 
transmission constraints. 
 
All power transactions pay the LMP for the relevant busses regardless of whether the 
transaction results from dispatch by the SO or the transaction is bilateral (self 
scheduled). 

4.3.3 Markets for FTRs 
Overlaying the LMPs for power in the PJM system is a market for FTRs5. The FTR is 
not a physical right to transmission service. Rather it gives the holder the right to be 
compensated for the difference between the LMP at the generation source and the LMP 
at the load. It entitles the holder to receive revenues (or charges) based on transmission 
congestion measured as the hourly energy LMP differences across a specific path in 
the day-ahead market. FTRs are originally obtained in auctions by Network 
Transmission Service Holders or by those with Firm Point-to-Point Transmission 
Reservations.  They can be traded on a secondary market. This provides a hedge for 
the congestion costs.  
FTRs may be obtained for various combinations of single or multiple busses for which 
an LMP is calculated and posted. These combinations of busses include hubs, zones, 
aggregates, and single busses either internal or external to PJM. Auction FTRs may be 
designated between any injection and withdrawal points. 
 
PJM has defined three trading hubs for FTRs. These include a Western Hub with 111 
busses, an Eastern Hub with 277 busses, and an Interface Hub with 3 busses.  These 
                                            
5 PJM uses the term Fixed Transmission Rights. 
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hubs provide a common point for commercial trading contracts.  Hubs are used to 
create prices by weighting an aggregation of buss prices.  This weighted hub price 
reduces the risk of individual busses which can be volatile when transmission 
constraints come into play. (PJM 1998)   

4.3.4 Emergency Procedures 
If designated transmission facilities reach overload conditions, and PJM has 
redispatched internal generation to the extent feasible, PJM will 1) use the NERC TLR 
Procedure; 2) curtail external customers or charge these external customers for 
congestion; and 3) curtail remaining transactions in order of priority. The PJM 
customers have some choice in that external transmission customers can choose to pay 
congestion charges during TLR in the PJM control area and internal customers may 
voluntarily curtail transactions if congestion charges become too large (PJM 2001b). 

4.3.5 Transmission Expansion 
PJM uses a centralized process to plan transmission expansion. The costs plus a 
reasonable return are recovered through contracts and tariffs for use of the facilities. 
The Regional Transmission Owners must unanimously agree on the allocation of costs 
or costs are assigned based on the size or the voltage of the facility and the zone where 
the facility is to be located. (PJM 2001c) 
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5.  Conclusions and Recommendations 
 

With the advent of deregulation and policies of open access, allocation of scarce 
transmission resources has become a key factor for the efficient operation of electricity 
markets as well as reliability and control of market power.  This trend has been 
reinforced as expansion of the transmission capacity has failed to keep pace with the 
demand for power and the emerging trends to transfer power over longer distances.  
These trends make it increasingly important that congestion management is structured 
to facilitate economically efficient allocation of transmission capacity.  Because of the 
policies of open access coupled with the inability to economically control flows on 
individual lines within an AC power system, transmission capacity is characterized as a 
communal resource and otherwise subject to the externalities of overuse.  Congestion 
management can also provide insight into where transmission enhancements are 
needed.  
 
The restructuring of generation and transmission resources not only requires new 
approaches to congestion management but also provides an opportunity for them.  As 
might be expected, congestion management is in a period of tremendous flux.  Serious 
debates over the best approach to allocate transmission resources to support 
competitive markets are taking place.  New approaches are being implemented, and 
these will provide feedback about how congestion management can best support 
efficiency and reliability.  As these approaches are made operational, they will provide 
real-world experience that will provide the basis for evaluating the most effective 
techniques for congestion management. 
 
A key question for any ISO or policy-maker is whether congestion management is 
effectively and efficiently achieving its objectives.  For this purpose it would be useful to 
have standard measurements.  In fact, several metrics are routinely used to measure 
the effects of congestion.  The following is a list of several metrics that have been used 
to measure the importance of congestion: 
 

• TLR-based measures including the number and degree of actions taken over a 
given period 

• Frequency of curtailments 
• Duration of curtailments 
• Megawatts of curtailments 
• Energy of curtailments 
• Energy not served 
• Bulk Power Interruption Index (Capacity/Peak Load) 
• Bulk Power Energy Curtailment Index (Energy/Peak Load) 
• System Minutes (summation of MW not exchanged x minutes of duration) 
• Congestion costs (difference between system costs with and without congestion) 
• Congestion rents (energy flow between congested nodes x marginal cost 

difference between nodes) 
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The optimal amount of congestion is achieved where any change results in higher 
system costs.  An index to measure congestion management should help determine 
how to move closer to the optimal amount of congestion.  For instance, if an expansion 
in transmission facilities reduces congestion but increases overall costs including the 
cost of making the investment, then this moves away from the goal of achieving optimal 
congestion. 
 
It is important to note that the list above contains measures of congestion, not 
congestion management.  A conceptual definition of a metric for congestion 
management would be:  The difference between congestion effects under scheme 1 
compared to scheme 2 for a given level of reliability.   This definition points out some of 
the challenges in developing an index of congestion management. 
 
First, a congestion management metric involves a difference for which all variables 
other than the congestion management scheme should remain constant.  A high rate of 
congestion may reflect inadequate transmission investment as opposed to ineffective 
congestion management.  In other words, there must be both a metric of congestion 
and a standard against which to measure that metric. 
 
Second, if a transmission system implements a new scheme, a valid congestion 
management metric must consider any change in reliability.  Has the new scheme 
reduced congestion metrics at the cost of reliability?  If it did, was this a desirable 
tradeoff?  Can a reliability metric be incorporated into the congestion management 
metric?  At what rate should reliability be traded against commercial objectives or are 
reliability standards set independently? 
 
Third, a valid congestion management metric would be able to account for the 
divergence from some optimal level of efficient operations.  For instance, if curtailments 
are reduced through incentives that discourage transactions, then congestion may be 
reduced at the cost of system efficiency.  This suggests the appeal of allocating 
congestion through a market system of prices that reflect the value of the system’s 
congested facilities. 
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